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Abstract 
The goal of this paper is to describe thermal effects on fluid flow and chemical reactions when dealing with a non isothermal oil 
reservoir. This situation may arise when the initial temperature state is changed by injecting a fluid whose temperature is 
different from the medium one. In this case, heat transfer should be taken into account during reservoir simulations. 
A synthetic hydrocarbon reservoir is used to model the oil production with an alternative injection of CO2 and de-sulphated sea 
water. The oil in place is modelled with 8 components and the mineralogy of the rock formation is composed of Calcite, 
Dolomite and Quartz. The reservoir being initially at 60°C, several injection temperatures are assessed in order to simulate the 
heat transfer between injected and originally in-place fluids. Reservoir simulations are carried out by using IFP Energies 
nouvelles multi-phase thermal and compositional simulator COORESTM coupled with a geochemical software Arxim. 
By coupling only thermal effects and the multiphase flow, the study has shown that there are two compulsory effects on oil 
recovery mechanisms: the thermal expansion of the injected fluid (mostly for the CO2) and modifications of the oil mobility 
ratios due to the changes of the fluids viscosities consequent to the injection of a cold fluid into a hot reservoir. 
On the geochemistry part, the study has also shown that temperatures have a kinetic effect on the chemical reactions consequent 
to rock and fluids interactions. The higher the temperatures are, the faster the chemical reactions will be. Variations of reaction 
rates are quite significant on the chemical scenario as Calcite may dissolve twice faster between 60°C and 15°C. 
When using fully coupled compositional, heat transfer and geochemistry simulations, in addition to the effects described 
previously, we can observe that most of the chemical reactions occur around the well bore. The injection of CO2 and water with 
a different ion composition than the formation water induce modifications in the rock composition. The Calcite will rapidly 
dissolve releasing calcium ions that will be used to precipitate a part of Dolomite. The overall dissolution of minerals will imply 
an increase in porosity and permeability at a velocity depending of the injected temperature and improving so the injectivity of 
the injector well. 
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Introduction 
Including thermal effect in the coupling of fluid flow and geochemistry simulations is a complex physical and 
numerical problem. The goal of this paper is to look more closely at the flow behaviour when a fluid is injected 
into a reservoir with a difference of temperature. This is possible by enabling the thermal option in a reservoir 
model and the study will be performed with the help of COORESTM simulator. COORESTM is a compositional 
research code dedicated to the modelling of CO2 injection into geological formations developed by IFP Energies 
nouvelles. COORESTM is a 3-D thermal flow model which includes features such as local grid refinement, 
compositional thermodynamics with solubility of gaseous component in fluids, relative permeabilities and 
capillary pressures, diffusion and hydrodynamic dispersion, flexible boundary conditions (pressure, flow rate, 
concentration and temperature) and injection wells which can be horizontal or vertical. In addition, COORESTM
has the possibility to be coupled with a geochemistry simulator Arxim in order to simulate the interactions between 
the rock and the fluid flows. 
Intuitively, one can guess that by adding the thermal option to a reservoir fluid flow modelling, the densities and 
viscosities of fluids will change; as a result, mobility ratios will be modified. Besides, thermal expansion of fluids 
might also occur. These effects may result in modifying the fluids recovery factor in the case of a hydrocarbon 
field production. In order to quantify these phenomena, a simplified 1D-model will first be used with water and 
CO2 injection scenarios. Then, results on the simplified 1D model will be extended to a realistic synthetic 3D 
reservoir model. Finally, geochemical coupling will be performed on the 3D model to assess the influence of both 
thermal and geochemical issues.  
1. Simplified 1D model  
A simplified 10 cells model has been built with a total length of 100m, a thickness of 2m and 10m wide (Figure 
1). The top of the model is at -5000 m, the porosity is 20% and the permeability is 400 mD. The reservoir is 
initially filled with a 8-components hydrocarbon (60% C1, 7% C2, 5% C3, 4% C4+, 8% C6+, 8% C11+ and 8% 
C20+) at 85% saturation and 15% of irreducible water. Moreover, it is assumed that the injected CO2 (if any) only 
remains in the gas phase, i.e. that the CO2 miscibility in the oil is disabled. Furthermore, no dissolution of CO2 in 
water is allowed. The injector well will inject water and/or CO2 for 30 days. Initial pressure is 600 bar at -5000 m 
and the initial temperature is 60°C (the Pressure/Temperature conditions are specific to the model used). The heat 
capacity of the water, rock, CO2 and hydrocarbon are respectively 4.280 kJ/kg/K, 0.84 kJ/kg/K, 0.82 kJ/kg/K and 2 
kJ/kg/K, the thermal conductivity being 1 W/m/K. The injector well will impose a constant mass rate of 20 T/day 
and the producer will produce fluids at a constant bottom hole pressure of 600 bar at -5000 m. 
Figure 1: simplified 1D model 
1.1. Water injection scenario 
Water is being injected at three different temperatures: 15°C (Case named TH-15-W), 30°C (TH-30-W) and 
90°C (TH-90-W). An isothermal case with no thermal coupling (ISO-60-W) has been run too. Temporal evolutions 
of several flow properties at the injector cell are drawn below: 
318   Nicolas Maurand et al. /  Energy Procedia  51 ( 2014 )  316 – 325 
0 5 10 15 20 25 30
600
610
620
630
640
650
Time (days)
P 
(ba
r)
Pressure @ injector cell
0 5 10 15 20 25 30
10
20
30
40
50
60
70
80
90
100
Time (days)
T 
(°C
)
Temperature @ injector cell
ISO-60-W
TH-90-W
TH-30-W
TH-15-W
(a) (b)
0 5 10 15 20 25 30
0.2
0.4
0.6
0.8
1
1.2
1.4
Time (days)
μ w
 
(cP
)
Water Viscosity @ injector cell
0 5 10 15 20 25 30
0.3
0.35
0.4
0.45
0.5
0.55
0.6
0.65
Time (days)
μ o
 
(cP
)
Oil Viscosity @ injector cell
D il fl f i j (i i )
(c) (d)
Figure 2: Temporal evolution of flow properties at the injector cell – water injection case (simplified 1D): (a) Pressure; (b) Temperature; (c) 
Water Viscosity; (d) Oil Viscosity 
We can observe on Figure 2 (b) that the injector cell converges quickly to the injected water temperature. There 
are important differences when observing the temporal evolution of pressure P plotted at Figure 2 (a): P increases 
when the reservoir is cooled (at t = 30 days, pressure is almost 645 bar for TH-15-W versus 625 bar for TH-90-W). 
This is explained by the fact that water and oil are getting more viscous at lower temperature (Figure 2 (c) & 
Figure 2 (d)). 
It has to be noted that the injection constraint is a constant mass that will imply an injection rate variation in 
volume at the bottom due to thermal expansion or contraction at the different injection temperature. This volumic 
rate (Qiw) can be obtained by divided the massic rate (20 T/day) by the density of the water (ȡw) at the each 
temperature. In Table 1, the values of water densities are extracted from simulation result at 30 days. The simulator 
computes water density by internal correlation as a function of Pressure, Temperature and Salinity: 
Table 1: Values of water injector flow rates for several temperatures with water density simulated at 30 days 
Temperature T (°C) 15°C 30°C 60°C 90°C 
ȡw (T) (g/cm3) 1.063 1.060 1.049 1.036 
Qiw (T) (m3/day) 18.81 18.87 19.06 19.30 
These values suggests that the thermal expansion of water is finally negligible since density does not change 
importantly (approximately 3% difference when comparing ȡw(T = 15°C) to ȡw(T = 90°C)). In terms of oil 
recovery, results obtained from simulation data processing are the following (RF stands for recovery factor): 
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Table 2: Cumulative injected water, recovery factor, averaged pseudo mobility ratio and average temperature for the cases investigated 
Case Cum. injected water (in situ) m3 RF (%) mp Tp
ISO-60-W 571 86.86 0.833 60°C 
TH-90-W 577 86.74 0.881 67.3°C 
TH-30-W 567 87.03 0.776 52.7°C 
TH-15-W 565 87.15 0.743 49°C 
• mp is an averaged pseudo mobility ratio. True mobility ratio is the ratio of the relative permeabilities 
multiplied by the inverse ratio of viscosities. Since relative permeability curves are the same for all the 
discussed cases, a pseudo mobility ratio mp is introduced as a viscosity ratio only. Viscosities are computed by 
the simulator by using Lorhenz-Bray-Clark model. The latter expression is averaged on the whole model.
• Tp is an averaged temperature, evaluated on the whole model too. 
From Table 2, one might observe that the highest recovery factor (obtained for TH-15-W – 87.15%) does not 
correspond to the biggest cumulative volume of water injected (obtained for TH-90-W – 577m3). Recovery factors 
from Table 2 are guided by the computed averaged pseudo mobility ratios, mp: case TH-15-W shows mp = 0.743 
(so the case with the best mobility ratio and also the best RF) whereas case-TH-90-W shows mp = 0.881 (so the 
case with the worst mobility ratio and also the worst RF). Thus, the enhanced mobility ratios (consequent to 
cold water flooding) predominantly govern the recovery factors. Thermal expansion of water on oil recovery 
is negligible.  
1.2. CO2 injection 
The approach is similar than the previous cases but with a CO2 injector. Thermal coupled runs with injected 
CO2 at 15°C, 30°C and 90°C (TH-15-G, TH-30-G and TH-90-G) are compared to the isothermal case at 60°C 
(ISO-60-G). 
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Figure 3: Temporal evolution of flow properties at the injector cell – gas injection case (simplified 1D): (a) Pressure; (b) Temperature; (c) Gas 
Viscosity; (d) Oil Viscosity 
We can observe on Figure 3 (b) that the injector cell does not reach the injected gas temperature (case TH-90-G 
converges to 80°C, TH-30-G converges to 40°C and TH-15-G converges to 30°C). This is explained by the heat 
capacity of CO2 (0.820 kJ/kg/K), five times smaller than the water heat capacity (4.280 kJ/kg/K): the heat 
transfer from the injected CO2 to the reservoir is not as important as in the water flooding cases. We can 
also observe that the pressure effect is limited compared to previous case. Indeed, CO2 viscosity (multiplied by 1.3 
between 60°C and 90°C) does not change as much as water viscosity (multiplied by 2 between 60°C and 90°C). 
Thermal effects on the injected gas volume are evaluated by the same analogy than previously in which the 
water density has been replaced by the CO2 density. 
Table 3: Values of gas injector flow rates for several temperatures with gas density simulated at 30 days 
Temperature T (°C) 30°C 40°C 60°C 80°C 
ȡg (T) (g/cm3) 1.127 1.096 1.033 0.970 
Qig (T) (m3/day) 17.75 18.25 19.36 20.62 
These values establish that gas thermal expansion (or contraction) is not negligible: we can see almost 16% 
difference between ȡg(T = 30°C) and ȡg(T = 80°C). It has to be noticed that the temperature investigated in the 
Table 3 (60°C, 80°C, 40°C and 30°C) are not the same than the ones studied for the water injection cases (confer 
Table 1: 60°C, 90°C, 30°C, 15°C) because the injected gas does not cool down completely the injector cell as 
observed on Figure 3 (b). Nevertheless, the variations of the CO2 density are stronger than the variations of 
the water density. This has implications on the oil recovery mechanisms: 
Table 4: Cumulative injected gas, recovery factor, averaged pseudo mobility ratio and average temperature for the cases investigated – gas 
injection case (simplified 1D) 
Case Cum. injected gas (in situ) m3 RF (%) mp Tp
ISO-60-G 580 74.55 3.827 60°C 
TH-90-G 602 74.73 3.845 61.8°C 
TH-30-G 561 74.61 3.805 58.3°C 
TH-15-G 551 74.57 3.791 57.4°C 
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From Table 4, one can remark that the highest recovery factor (TH-90-G -74.73%) corresponds to the biggest 
cumulative volume of gas injected (602m3). Recovery factors from Table 4 are not guided by the computed 
averaged pseudo mobility ratios, mp: case-TH-15-G shows mp = 3.791 (so the case with the best mobility ratio but 
the worst RF) whereas case TH-90-G shows mp = 3.845 (so the case with the worst mobility ratio but the best RF). 
Thus, cooling down the reservoir still improves the global mobility ratio but the thermal expansion of gas 
has to be taken into account: the latter phenomenon tends to compensate bad gas/oil mobility ratio and 
therefore governs the oil recovery. The current situation with CO2 injection is antagonist to the cold water 
flooding case in which viscous effects were primarily guiding oil recoveries. 
2. Synthetic 3D model 
A simplified Water alternated CO2 (WAG) injection strategy (without hysteresis function in relative 
permeabilities) is now implemented on a bigger and more complex model. A general overview of the synthetic 
reservoir model is presented on Figure 4. The total length in X direction is 1300m (discretized with 13 regular 
cells), 1200m in Y (12 cells) and 300 m in Z (38 layers). Porosity and Permeability is entered by using maps. The 
same parameters as for the 1D model for the 8-components hydrocarbon fluid, saturation, thermal and reservoir 
initial state is used. The injector well will inject water and CO2 for 30 years. The injector well will impose a 
constant mass rate of 4750 T/day and the producer will produce fluids at a constant bottom hole pressure of 600 
bar at -5000 m. 
Figure 4 : 3D Synthetic reservoir model 
A local refinement with two sub grids has been made near the injector well for the further geochemistry studies 
(cells of 25m x 25 m for the injector well and cells of 50m x 50m around the injector well to be compared to cells 
of 100m x 100m for the main grid) 
Since the study held in the 1D simplified model showed that a cold water injection is favorable for the mobility 
ratio and a hot gas injection is favorable for the thermal fluid expansion, a comparison of WAG injection scenario, 
(with cycles of 6 months) will be investigated via four cases: 
• ISO-60-WAG: isothermal reservoir with no thermal coupling ; 
• TH-90-WAG: both fluids are injected at 90°C into the reservoir ; 
• TH-WAG: the water is injected at 15°C, whereas the gas (CO2) is injected at 90°C ; 
• TH-15-WAG: both fluids are injected at 15°C into the reservoir. 
From COORESTM simulator results, computations have been performed to get the field production and key 
variables for the interpretations: 
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Table 5: Cumulative injected water & gas, recovery factor, averaged pseudo mobility ratio and average temperature for the cases investigated – 
WAG injection case (3D synthetic model) 
Case 
Cum. injected 
water 
(in situ) m3
Cum. 
injected gas 
(in situ) m3
RF 
(%) 
Water/Oil 
mwp
Gas/Oil 
mgp
Mean 
(mwp ;mgp) Tp
ISO-60-WAG 25 415 210 25 585 017 58.68 0.372 1.700 1.036 60°C 
TH-90-WAG 25 766 530 28 036 053 57.49 0.453 1.858 1.155 80°C 
TH-WAG 25 102 909 26 969 811 59.55 0.328 1.580 0.954 42°C 
TH-15-WAG 25 081 254 22 647 666 59.76 0.242 1.402 0.822 29°C 
In Table 5, two pseudo mobility ratios have been evaluated: one for the water (mwp) and one for the gas (mgp). 
An average has then been made on these two values (column n°7). 
It appears from Table 5 that the best recovery case TH-15-WAG (59.76% of oil recovery) is the one with the 
best mean mobility ratio (0.822) but with the smallest cumulative volume of gas injected (22 647 666 m3). On the 
contrary, the worst recovery case TH-WAG-90 (57.49% of oil recovery) is the one with the worst mean mobility 
ratio (1.155) but with the highest cumulative volume of gas injected (28 036 053 m3). These observations convey 
the idea that the computed mean mobility ratios predominantly govern the oil recovery. The two other cases 
displayed in Table 5 are ranked for the recovery regarding their average pseudo mobility ratio (case TH-WAG is 
the second one with 59.55% of recovery, mp = 0.954 and case ISO-60-WAG is the third one with 58.68% of 
recovery, mp = 1.036). As observed, the thermal expansion of the gas does not hinder the mean mobility ratio 
because of the large size of the model. Finally, one can remark (still on Table 5) that the water thermal expansion 
is negligible: 25 766 530 m3 for the hot case TH-90-WAG and 25 081 254 m3 for the cold case TH-15-WAG. 
The 3D synthetic model attached to a multi-constituent oil phase and coupled with a thermal model still reveals 
the two phenomena previously stressed on the 1D simplified model : thermal expansion of the injected fluid 
(mostly for the gas since water does not importantly expand) and modifications of the oil mobility ratios due to the 
changes of the fluids viscosities. However, thanks to the important size of the Synthetic model (and so the 
important volume of fluids in place), the thermal expansion of the gas becomes negligible to improve the 
flooding of the oil during the WAG injection scenario. The oil production strongly relies on the eventual 
improvement of the mobility ratios, consequent to the injection of a cold fluid into a hot reservoir. 
3. Thermal and geochemical coupling  
Geochemical reactions can be coupled to COORESTM reservoir simulator thanks to Arxim geochemical 
simulator. The target of this part is to study thermal consequences on fluid-rock chemical reactions. The rock 
composition is composed of three minerals: 40% Dolomite (CaMg(CO3)2), 40% of Calcite (CaCO3) and 20% of 
Quartz (SiO2). The initial water in the model is equilibrated with the minerals and the injected water is a sea water 
where the sulphate has been removed. 
3.1. 0D batch mode results 
By using Arxim geochemical simulator in 0D mode, four different de-sulphated sea water temperatures 
injection (15°C, 30°C, 60°C and 120°C) are compared. Note that it is not possible in this 0D study to set a 
reservoir temperature different from the injected temperature, so for each of the following cases, the reservoir 
temperature will be the injected one. 
 Nicolas Maurand et al. /  Energy Procedia  51 ( 2014 )  316 – 325 323
10-2 100 102 104 106
0
0.1
0.2
0.3
0.4
0.5
0.6
0.7
Time (days)
PH
IM
 
Do
lo
m
ite
-
O
rd
 
(fra
ct
io
n)
Proportion of Dolomite-Ord in the rock
10-2 100 102 104 106
0
0.05
0.1
0.15
0.2
0.25
0.3
0.35
Time (days)
PH
IM
 
Ca
lc
ite
 
(fra
ct
io
n)
Proportion of Calcite in the rock
T = 15°C
T = 30°C
T = 60°C
T = 120°C
(a) (b)
Figure 5: Temperature effects on ArximTM 0D (batch mode) simulations: (a) Proportion of Dolomite; (b) Proportion of Calcite  
On Figure 5, we can observe that temperature has a kinetic effect: it changes the rate of the chemical reactions. 
For this particular scenario, Calcite will dissolve quicker (Figure 5 (b)) for higher temperatures whereas Dolomite 
will quicker precipitate and then be faster dissolved (Figure 5 (a)). Rate of the chemical reactions between the 
coldest case (15°C) and the hottest case (120°C) are roughly multiplied by 2.5. 
The assertion of the kinetic effect of the temperature can be justified by Arrhenius' Law:  
exp)(  ¹¸
·
©¨
§
⋅
−⋅= TR
EATk a   (1) 
The Arrhenus'law expresses the idea that the rate of a chemical reaction (k(T)) is proportional to the 
number of particles with enough thermal energy to overcome an energetic barrier. This energy threshold is 
characteristic of the process and is called the activation energy Ea (kJ/mol). An other coefficient is introduced so as 
to take into account favorable conditions to a successful reaction: A (pre-exponential factor or frequency factor). 
According to Arrhenius formula, implications can be made: 
• rate of reaction k(T) increases exponentially when Ea decreases (it is easier to overcome the energetic 
activation barrier Ea) ;  
• rate of reaction k(T) increases with the temperature T (this the kinetic effect of the temperature). 
3.2. 3D results on the synthetic model 
Four cases will now be compared by coupling the fluid flow, the geochemistry and (for two cases) the thermal 
solver on the 3D previous synthetic reservoir model: 
• A 15°C de-sulphated sea water injection (W_15°C) with a full thermal and geochemical coupling.  
• A 60°C de-sulphated sea water injection (W_60°C) only geochemical coupling (no thermal coupling).  
• A Simultaneous 15°C de-sulphated sea water and CO2 injection (SWAG_15°C) with a full thermal and 
geochemical coupling. 
• A Simultaneous 60°C de-sulphated sea water and CO2 injection (SWAG_60°C) with only geochemical 
coupling (no thermal coupling).  
The numerical simulations are performed by coupling COORESTM and Arxim simulator. The reservoir initial 
temperature is set at 60°C and will gradually cool down to the injected fluid temperature. The initial rock 
composition (40% Dolomite, 40% Calcite, 20% Quartz) and reservoir water composition (water equilibrated with 
the minerals) will gradually change as a function of the composition and temperature of the injected fluids. 
324   Nicolas Maurand et al. /  Energy Procedia  51 ( 2014 )  316 – 325 
Figure 6: Evolution of the proportion of Calcite (a), Dolomite (b) and porosity(c and d) at the injector cell with 15°C fluid injection and 60°C 
fluid injection (fluid being sea water –plain line- or seawater and CO2 – dotted line) 
As we can see from simulation result on Figure 6, taking into account the thermal effect due to a cold fluid 
injection will slow down the rate of Calcite dissolution compared to a 60°C Isothermal solution. In addition the 
reactivity of the Calcite dissolution will be higher when CO2 is added compared to de-sulphated water only. For 
the Dolomite, we can observe that with only de-sulphated sea water injection, it precipitates slower in cold 
environment. However, changes appear on the Dolomite chemical path when CO2 is added. If cold SWAG is 
implemented, only very slow dissolution of dolomite is observed and if hot SWAG is implemented, we have first a 
precipitation of Dolomite and then fast dissolution of it. 
All of these reactions will have an effect on the overall porosity. Without CO2 injection, a colder environment 
will slow down the stabilisation of the geochemical reactions (at ~10 years) compared to the hotter environment (at 
~5.5 years). We have the same trends when CO2 is injected but due to the dissolution of Dolomite, a sharp increase 
of the Porosity is observed. This thermal behaviour is justified by the Arrhenius' Law that decreases the reaction 
rate with a decrease of temperature. It has to be noted that this effect comes in additions with the previously 
studied effect of enhanced mobility ratios due to cold water flooding and the improvement of the recovery factors. 
On Figure 7, we can see the 3D evolution of the temperature, PH and oil saturation after 15 years of cold de-
sulphated sea water (15°C) injection. The temperature close to the injector has almost reached the injected water 
temperature. In the injector cells, we can observe that the Calcite has dissolved due to injection of high PH water 
and Dolomite has been precipitated as a result of chemistry reaction. The overall variation of porosity ("Delta 
Porosity" which is difference between the porosity at a specified time and the initial porosity) has increased 
improving the injectivity of the well. It has to be noted that the variation of porosity is localized a few meter 
around the injector and on a few layers. A particular attention on the local grid refinement size (25m x 25m in this 
case) needs to be done during the modelling phase to properly estimate the affected zone. Due to high possible 
porosity variation simulated (especially in SWAG injection scenario), the numerical model suggests monitoring 
the injector well during the operating phase to ensure a good well integrity. 
(a) (b)
(c) (d)
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Figure 7: spatial evolution of the variation of porosity (Delta Porosity), of the percentage of Calcite and Dolomite, of the oil saturation, PH and 
Temperature after 15 years of 15°C water injection into 60°C reservoir with a fully coupled thermal and geochemical solver 
Conclusion 
Thermal effects are usually not taken into account into reservoir simulations. However, this study has shown 
that the temperature of an injected fluid may modify the overall behavior of the fluids into the reservoir as well as 
the geochemistry effects. It showed that there are two thermal effects particularly on the oil recovery mechanisms: 
1. thermal expansion of the injected fluid (mostly for carbon dioxide CO2). This phenomena is due to the fact 
that for a constant mass injection, the volume of the injected fluids in reservoir conditions will depend on 
the temperature: the higher the temperature is, the smaller the density will be and the higher the volume of 
fluid will be improving so the flooding; 
2. and changes of oil mobility ratio because of the modifications of fluid viscosities versus the temperature. 
These two thermal effects can coexist and their relative importance on the oil recovery needs to be studied as a 
function of the space extension of the reservoir model and the injected volume. For a large reservoir volume in 
comparison to the volume of fluid injected, the injected gas thermal expansion is not important enough to improve 
the flooding of the oil. Results show that the oil recoveries are predominantly governed by the evolutions of the 
mobility ratios consequent to the injection of a colder (or hotter) fluid into an oil reservoir. 
Concerning the thermal effects on geochemistry, the study showed that the kinetic effect of temperature on the 
rate of the chemical reactions is reduced in colder environments according to Arrhenius' Law. For instance, the 
cold water flooding at 15°C significantly slows down the geochemical reactions: rates of reactions are almost 
divided by two and this has a delay effect on the evolution of porosity at the injector well. 
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